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Testing Regulatory Regimes for Power Transmission Expansion with
Fluctuating Demand and Wind Generationa

Wolf-Peter Schillbc, Jonas Egererd, Juan Rosellóne

Adequate extension of electricity transmission networks is required for integrating
fluctuating renewable energy sources, such as wind power, into electricity systems. We
study the performance of different regulatory approaches for network expansion in the
context of realistic demand patterns and fluctuating wind power. In particular, we are
interested in the relative performance of a combined merchant-regulatory price-cap
mechanism compared to a cost-based and a non-regulated approach. We include both an
hourly time resolution and fluctuating wind power. This substantially increases the realworld applicability of results compared to previous analyses. We show that a combined
merchant-regulatory regulation, which draws upon a cap over the two-part tariff of the
transmission company, leads to welfare outcomes superior to the other modeled
alternatives. This result proves to be robust over a range of different cases, including such
with large amounts of fluctuating wind power. We also evaluate the outcomes of our
detailed model using the extension plans resulting from a simplified model based on
average levels of load and wind power. We show that this distorts the relative
performance of the different regulatory approaches.
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1 Introduction
The European Union (EU) is undergoing a transformation of its energy system toward a highly
renewable-based system. The European power system should be largely carbon-neutral by 2050 in
order to reach the ambitious two-degree-goal, according to which global average surface temperature
should be prevented from rising more than 2 degrees Celsius above pre-industrial levels. Along with
substantial energy efficiency improvements, a promising strategy for decarbonizing the electricity
sector is the large-scale expansion of renewable energy sources (RES) such as wind and solar power.
Wind power has two main characteristics. On the one hand, the geographical distribution of wind
power resources is uneven. For example, the best European wind resources are mainly located along
shorelines and off-shore. On the other hand, wind has severely fluctuating generation patterns.1 Its
large-scale integration into electricity systems thus requires substantial upgrades and extension of
existing transmission networks in order to connect distant generation sites and to even out regional
imbalances due to those fluctuations. Since electricity transmission networks are natural monopolies,
they need to be regulated in order to promote expansion in such a way that social welfare is also
optimized. Network owners have no incentives for removing transmission bottlenecks if this reduces
their profits in the form of congestion rent losses. Thus, incentive compatible network expansion must
be ensured through economic regulation.
The regulation of transmission operations and expansion is widely discussed by regulatory
economists. Finding optimal mechanisms is difficult given the specific physical characteristics of
electricity networks such as negative local externalities due to loop flows, i.e., electricity flows
obeying Kirchhoff’s laws. A range of different regulatory schemes and mechanisms have been
proposed and applied (Léautier 2000, Kristiansen and Rosellón 2006, Tanaka 2007, Léautier and
Thelen 2009, Hogan et al. 2010). However, there is little research on optimal transmission regulation
when realistic demand patterns and fluctuating renewable power are considered.
In this applied paper we aim to enhance the economic understanding of how to regulate and expand
transmission networks in the context of realistic demand patterns and large-scale wind power in
1

Schill (2014) studies the effects of fluctuating wind and solar power generation on German residual load
patterns.
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Europe.2 We combine theoretical research on regulation of transmission expansion with an application
to Europe while also deriving policy implications. We test the recently designed Hogan-RosellonVogelsang price-cap mechanism (HRV, Hogan et al. 2010), which combines merchant and regulatory
structures to promote the expansion of electricity networks. Another approach to transmission
expansion is traditional central planning, which may either be carried out within a vertically integrated
utility or by a regulatory authority. Another alternative is traditional cost-of-service regulation. In
contrast, transmission decisions can also be determined in a totally decentralized, non-regulated way.
We are then interested in the relative performance of these various regulatory regimes on transmission
network expansion. In all cases, transmission output is defined as financial transmission rights, which
are assumed to be auctioned off by a transmission company (Transco). We apply these mechanisms to
a stylized model of the Western European transmission network. The transmission model represents
real power flows, which allows for the inclusion of specific electricity network characteristics such as
loop flows. We explicitly include both an hourly time resolution and fluctuating wind power, which
substantially increases the real-world applicability of the approach. We solve the model numerically
and compare welfare outcomes and the optimal levels of network expansion for a baseline and some
sensitivity analyses. We also examine the drawback of applying a simplified model, which has been
used in previous literature, based on average levels of load and wind power. To do so, we solve the
simplified model and evaluate its extension outcomes under the actual fluctuations of load and wind
power.
We find that network extension in Western Europe not only increases social welfare due to diminished
congestion, but also leads to price convergence and therefore a large redistribution of social welfare.3
Comparing different regulatory approaches, we find that a combined merchant-regulatory regime leads
to welfare outcomes that are close to the optimum achieved by a social planner, and far superior to
other modelled alternatives. We show that this result is robust over all modelled cases. We also find

2

While we focus on regulated transmission expansion in the Western European transmission system, Egerer and
Schill (2014) analyze RES-related network expansion requirements within the German system, taking also into
account investments into power plants and storage.
3
For an Italian case study, Boffa et al. (2010) find that transmission expansion leads to cost savings for
consumers. In our paper, we show that while removing congestion in the Western European interconnection
harms consumers in Germany and France because of increasing spot prices, consumers in Belgium and the
Netherlands benefit from network expansion.
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that the combined merchant-regulatory regime leads to a situation in which a substantial portion of the
Transco’s income consists of a fixed tariff part. The intertemporal rebalancing of the two-part tariff
carried out by the Transco, so as to expand the network, is such that the fixed fee is considerably
higher than the decrease of the variable part. The fixed tariff part also turns out to be relatively large
compared to extension costs, a distributive issue that might be addressed through a proper choice of
weight of profits in the welfare criterion. Yet exploring these distributive issues in detail is beyond the
scope of this article and is left to further research. As for model simplifications, we find that these
severely distort results on the relative performance of different regulatory approaches.
The remainder of the paper is structured as follows. Section 2 reviews the relevant literature. Sections
3 and 4 introduce the model and its application to a stylized Western European example. Results are
presented and discussed in section 5. We start with baseline assumptions (5.1), followed by three
sensitivity analyses which reflect different assumptions on extension costs (5.2), increased wind
capacity (5.3), and different discount rates (5.4). The drawback of using a simplified model is
evaluated in section 5.5. The last section summarizes and concludes.

2 Literature
There are two main distinct analytical approaches to transmission investment: one employs the theory
based on long-term financial transmission rights (LTFTR, merchant approach), while the other is
based on the incentive regulation hypothesis (performance-based-regulation, PBR, approach). The
PBR approach to transmission expansion relies on incentive regulatory mechanisms for a transmission
company (Transco). One example is Vogelsang (2001 and 2006), where price-cap regulation solves
the duality of incentives for the transmission firm both in the short-run (congestion) and in the longrun (investment in network expansion). Equilibrium for this duality is studied by the peak-load pricing
literature: in equilibrium, the per-unit marginal cost of new capacity must be equal to the expected
congestion cost of not adding an additional unit of capacity (Crew et al. 1995). Alternative regulatory
PBR approaches provide the firm with incentives to make efficient investment decisions through
penalizing congestion (Grande and Wangesteen 2000, Léautier 2000, and Joskow and Tirole 2005). In
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the international practice, PBR schemes to guide the expansion of the transmission network have been
applied in England, Wales, and Norway.4
In the Vogelsang (2001) two-part tariff regulatory model, incentives for efficient investment in the
expansion of the network are obtained by the rebalancing of fixed and variable charges, while
convergence to the steady state Ramsey-price equilibrium depends on the type of weights used.
Ramsey prices result from the solution of the program, where a regulator seeks to maximize social
welfare subject to the individual rationality constraint of a firm with increasing returns to scale. The
prices are such that they differ from marginal cost inversely proportionally to the elasticity of demand.
A Laspeyres index weight (previous period quantity weight) promotes intertemporal convergence of
transmission tariffs to Ramsey prices, while average revenue weights (endogenous current period
quantity weights) cause divergence from the Ramsey equilibrium (Armstrong et al. 1994).
The merchant approach to transmission expansion is based on auctions of LTFTRs. The long-run
concept is important for investors of transmission expansion projects. Such projects usually have an
installed lifetime of at least 30 years, so that auctions allocate FTRs with durations of several years.
Incremental LTFTRs implicitly define property rights. FTR auctions are carried out within a bid-based
security-constrained economic dispatch with nodal pricing of an independent system operator (ISO).
The ISO runs a power flow model that provides nodal prices derived from shadow prices of the
model’s constraints. FTRs are subsequently calculated as hedges from nodal price differences.
Externalities in electricity transmission are mainly due to loop flows that arise from interactions in the
transmission network. The effects of loop flows imply that transmission opportunity costs and pricing
critically depend on the marginal costs of power at every location in the network. Loop flows generate
negative externalities to property right holders. In the merchant approach, the ISO retains some
capacity or FTRs in order to deal with such externalities. Equivalently, the agent making an expansion
is required to ‘pay back’ for the possible loss of property rights of other agents (Bushnell and Stoft

4

During the 1990s, an ‘uplift management rule’ was applied in England and Wales (Léautier, 2000). Such a rule
made the Transco responsible for the full cost of an ‘out-turn’ plus any transmission losses. The out-turn defined
the cost of congestion as the difference between the price actually paid to generators and the price that would
have been paid absent congestion. In Norway, a revenue-cap approach – which precludes having to exactly
define the output produced by a Transco – has also been used in practice (Jordanger and Grønli, 2000).
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1997, Kristiansen and Rosellón 2010). In international practice, FTR auctions have been used in the
US Northeast (NYISO, PJM ISO, and New England ISO), in California, as well as in Oceania.5
A second-best standard that combines the merchant and PBR transmission models is proposed by the
HRV model. This is done in an environment of price-taking generators and loads. A crucial aspect is
the redefinition of the transmission output in terms of incremental LTFTRs in order to apply the basic
price-cap mechanism in Vogelsang (2001) to real world networks within a power flow model. This is
mainly done to address loop flows in meshed networks through the use of point-to-point transactions
and to achieve a well behaved transmission cost function.6 The Transco intertemporally maximizes
profits subject to a cap on its two-part tariff, but the variable fee is now the price of the FTR output
based on nodal prices. Again, the rebalancing between the variable and fixed charges encourages the
efficient expansion of the network.7 The HRV mechanism is already tested in model-based analyses for
simplified grids in Western Europe, the Northeast USA and South America (Rosellón and Weigt 2011,
Rosellón et al. 2011, Ruíz and Rosellón 2012). The testing of the HRV regulatory model results in the
Transco expanding the network such that prices develop in the direction of marginal costs. The nodal
prices that were subject to a high level of congestion before the expansion converge to a common
marginal price level. These results show that the HRV mechanism has the potential to foster
investment in congested networks in an overall desirable direction. Yet these analyses neglect
important peculiarities of real-world power systems.
In this applied paper we incorporate both variable power demand and fluctuating renewables into the
regulatory logics of the HRV model. In doing so, we confirm the robustness of some key results
obtained by Rosellón and Weigt (2011), who draw on a simplified model and assume unrealistic initial
price differences between countries. Likewise, we aim to also contribute with a novel comparison of

5

See Rosellón and Kristiansen (2013) for a detailed analysis on theory and practice of FTR auctions. There is
shown the practical international implementation of such auctions as well as a discussion on it potential
application in Europe.
6
See Rosellón et al. (2012). Under a conventional linear definition of the transmission output – similar to the
output definition for other economic commodities – well-behaved cost and demand functions may not hold in an
electricity network with loop flows (see Wu et al., 1996). Decreasing marginal cost segments and discontinuities
in costs can arise during a transmission expansion project.
7
The HRV model aims to be applicable for any expansion project and in any type of transmission topology. Its
piecewise differentiability and continuity is analyzed in Rosellón et al. (2012) and tested in Rosellón and
Weigt (2011), Rosellón et al. (2011), and Ruiz and Rosellón (2012).
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diverse regulatory mechanisms to the case of fluctuating and geographically dispersed renewables. We
also show that such a comparison may be flawed when a simplified model is used.

3 The Model
Table 1 lists all model sets and indices, parameters, and variables.
Table 1: Sets and indices, parameters, variables
Symbol
Sets and indices:
n, nn  N
lL
sS
tT

Parameters:

Description

Unit

Nodes
Line
Generation technology
Regulatory time periods
Dispatch time periods

years
hours

mn,

Slope of demand function

an ,

Intercept of demand function

g n, s

Maximum hourly generation capacity

MWh

cs

Variable generation costs

€/MWh

ecl

Line extension costs

€/MW

Price elasticity of demand at reference point
Initial line capacity

MW



0

Pl

Il ,n

Incidence matrix

X l0

Initial line reactance



Bn,nn,t

Network susceptance matrix of period t

1/

slackn

Slack node (1 for one node, 0 for all others)

s
p
r

Social discount rate
Private discount rate
Return on costs (in case of cost-based regulation)

Variables:

wf

Overall welfare

€


qn,t ,

Transco profit
Hourly demand

€
MWh

gn, s ,t ,

Hourly generation

MWh

pn,t ,

Hourly electricity price

€/MWh

 n ,t ,

Voltage angle

1,l ,t ,
2,l ,t ,

Shadow price of positive line capacity constraint

€/MWh

Shadow price of negative line capacity constraint

€/MWh

pn,t ,  3,n,t ,

Shadow price of market clearing constraint (electricity price)

€/MWh

4,n, s ,t ,

Shadow price of generation capacity constraint

€/MWh

5,n,t ,

Shadow price of slack constraint

€/MWh
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extl ,t

Line extension

MW

Pt ,t

Line capacity of period t

MW

X l ,t

Line reactance of period t



fixparttCostReg

Fix tariff part in case of cost-based regulation

€

fixparttHRV

Fix tariff part in case of HRV regulation

€

We assume a market design with nodal pricing based on real power flows and financial transmission
rights (FTRs). A single Transco holds a natural monopoly on the transmission network. The Transco
decides on network extension and auctions off transmission capacity in the form of FTRs to market
participants. We do not explicitly model this point, but assume that expected FTR auction revenues are
equal to congestion rents of the system. Accordingly, we just assume that the Transco maximizes
profit, which consists of congestion rents and – depending on the regulatory regime – a fixed income
part. Whereas the Transco is not involved in electricity generation, an independent system operator
(ISO) manages the actual dispatch in a welfare-maximizing way. The ISO collects nodal payments
from loads and pays the generators. The difference between these payments is the congestion rent,
which is transferred to the Transco.8 We model three different regulatory cases in which we assume
the Transco to be unregulated regarding network expansion (NoReg), cost-regulated (CostReg), or
HRV-regulated. We compare these regulatory cases to a baseline case without any network expansion
(NoExtension) and to a welfare-maximizing benchmark (WFMax), in which a social planner makes
combined decisions on network expansion and dispatch. The problem formulation entails two levels
(bilevel programming). In the regulatory cases, the Transco’s profit maximization constitutes the
upper-level optimization problem. In the welfare-maximizing benchmark, the upper-level program
represents the social planner’s maximization problem. On the lower level, we formulate the ISO’s
welfare-maximizing dispatch as a mixed complementarity problem (MCP).9 The combination of lower
and upper level problems constitutes a mathematical program with equilibrium constraints (MPEC).10
We assume a standard linear demand function (1):

8

More precisely, congestion rents are redistributed to FTR holders. The Transco’s FTR auction revenues thus
include these payments. As we do not explicitly model FTR auctions, we make the simplifying assumption that
congestion rent is transferred to the Transco.
9
Gabriel et al. (2013) give an introduction to complementarity modeling in energy markets. Further
mathematical background is provided by Facchinei and Pang (2003).
10
Hobbs et al. (2000) were among the first to apply an MPEC approach to power market modelling.
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pn ,t ,  an,  mn, qn ,t , .

(1)

where pn,t , is the electricity price at node n in regulatory period t and hour  , whereas qn,t ,
describes the corresponding electricity demand. Given (1), the lower level dispatch problem consists
of equations (2)-(9). These represent an MCP formulation of the ISO’s constrained welfare
maximization problem, which is provided in Appendix 7.1.11 We model real load flows between single
nodes with the simplified DC load flow approach (Schweppe et al. 1988, Leuthold et al. 2012).
Equations (2)-(9) must be satisfied in every single hour  .

0  an,  mn, qn,t ,  pn,t ,

 qn,t ,

0

(2)

0  cs  pn,t ,  4,n, s ,t ,
I
I
0   l , n 1,l ,t ,   l ,n 2,l ,t ,   pnn ,t , Bnn , n,t  5,n ,t , slackn
lL X l ,t
lL X l ,t
nn
Il ,n
0  
 n ,t ,  Pl ,t
n X l ,t
I
0   l ,n  n ,t ,  Pl ,t
n X l ,t

 gn, s ,t ,  0

(3)

,  n ,t ,

free

(4)

 1,l ,t ,  0

(5)

 2,l ,t ,  0

(6)

, pn ,t ,

free

(7)

0   gn, s ,t ,  gn,s

 4,n, s ,t ,  0

(8)

0  slackn n,t ,

, 5,n,t , free

(9)

0   g n , s ,t ,   Bn ,nn  nn ,t ,  qn ,t ,
s

nn

Equations (2)-(4) represent the partial derivatives with respect to qn,t , , pn,t , , and the voltage angle

 n ,t , . Il ,n is the incidence matrix of the network, which provides information on how the nodes are
connected by transmission lines l . The parameter X l ,t describes the reactance for each transmission
line. Bn,nn is the network susceptance between two nodes. Equations (5) and (6) demand that the
power flows on each line do not exceed the respective line’s capacity Pl ,t . (7) ensures nodal energy
balance: generation minus net outflow has to equal demand at all times. Equation (8) constrains

11

We assume that the power plant fleet does not change over the whole modeled period. In the real world, we
would expect interactions between generation capacity investments and transmission investments, as shown both
theoretically and numerically by Sauma and Oren (2006). In a companion paper, we study the impact of a
changing generation mix on both welfare-optimal and regulated transmission investment (Egerer et al. 2015).
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generation of technology s to the maximum available generation capacity at the respective node.
Finally, (9) establishes a point of reference for the voltage angles by exogenously setting the parameter

slackn to 1 for one node in the network. For all other nodes, slackn equals 0.
Whereas the lower-level problem (2)-(9) has to be solved for every single hour  , the upper-level
problem needs to be inter-temporally optimized over all regulatory periods t . For the three regulatory
regimes, the upper level problem is represented by (10):



max         pn ,t , qn ,t ,   pn ,t , g n , s ,t ,

tT    nN 
sS




1


fixpart
ec
ext



t
l
l ,tt 

t 1
lL tt t

 1   p  

(10)

The Transco’s decision variable is capacity extension of transmission lines extl ,t , which incurs
extension costs ecl (annuities).12 In the NoReg case, transmission investments have to be fully
recovered by congestion rents, i.e., fixpartt  0 . Accordingly, the Transco will only extend such
lines that increase congestion rents. Both future revenues and future costs are discounted with a private
discount rate  p . In the CostReg case, we assume that the Transco not only receives congestion rents,
but may also charge an additional fixpartt which reimburses the line extension cost and grants an
additional return on costs (‘cost-plus’ regulation). Equation (11) shows that the fixed part of a given
period includes the costs (annuities) of all network investments made so far plus a return on costs r .
With positive r , the Transco may find it optimal to expand all transmission lines infinitely. We thus
include an additional constraint stating that equation (11) only holds as long as line extension does not
exceed the optimal levels as determined by the welfare-maximizing benchmark.13 In the HRV case, the
Transco may also charge a fixed tariff part, on which equation (12) sets a cap. It includes previous
period quantity weights (Laspeyres weights). In its general form, it also includes a retail price index

RPI and an efficiency factor X . We set both RPI and X to zero in the model application, as we
assume real prices and neglect efficiency gains.

12
13

We do not consider capital costs of the initial network or operational expenses of the Transco.
Note that this requires the regulator to have sufficient knowledge about which lines should be increased.
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fixparttCostReg

1

 ec ext

lL tt t 1

l

l ,tt

(1  r )  fixparttCostReg


qn ,t ,   pn ,t 1, g n , s ,t ,   fixparttHRV
1
sS
nN 

 1  RPI  X


HRV
pn ,t , g n , s ,t ,   fixpartt
   pn,t , qn,t ,  
sS
nN   


(11)



   p

n ,t 1,

(12)

In both the CostReg and the HRV cases, the fixed tariff part allows the Transco to recover its network
extension costs. In contrast, this is not true in the NoReg case, in which the Transco will only invest in
transmission extension if it leads to increases in congestion rents that are larger than extension costs.
In the baseline and in the welfare-maximizing benchmark case, the upper level problem does not
represent a Transco’s profit-maximization, but rather a social planner’s maximization of social
welfare. It is described by (13). The social planner uses a social discount rate  s , which may be
smaller than the private discount rate  p used by a Transco.




1
1



max wf        an , qn ,t ,  mn , qn ,t , 2   cs g n , s ,t ,    ecl extl ,tt 
s t 1 
2
tT     nN 
sS
 lL tt t

1


  


(13)

Network extension causes additional inter-period constraints on line capacity (14), line reactance (15),
and network susceptance (16), which are also included in the MPEC.

Pl ,t 1  Pl ,t  extl ,t
X l ,t 

Pl 0
X l0
Pl ,t 1

Bnn,n,t 1  
l

Il ,n I l ,nn
X l ,t 1

(14)
(15)
(16)

4 Model application
The five MPEC problems are implemented in the General Algebraic Modeling System (GAMS). They
are numerically solved on a 64bit Linux System with the commercial solver CONOPT3. As the
feasible region of the MPEC is non-convex, the solver returns local instead of global optima. We
develop a routine of finding good local optima as described in Appendix 7.2. We apply the model to a
stylized transmission network of Western Europe, which includes seven country nodes in Germany,
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France, Belgium and the Netherlands, eight auxiliary cross-border nodes, twenty stylized transmission
lines (l1-l20), and eight auxiliary lines (Figure 1). In addition, there are eight auxiliary lines in France
and Germany, which we assume are not congested. Network data is derived from Neuhoff et al.
(2005), who used this network for a model comparison analysis.

Figure 1: The stylized Western European transmission network

We include eight power generation technologies. Table 2 lists variable generation costs and overall
available capacity in the stylized network. Data sources include BP (2010), EEX (2010), ENTSO-E
(2010a), Eurostat (2010), and IEA (2010). The values on available capacity also reflect our
estimations on a part of the installed capacity not being available any given hour due to outages,
seasonal maintenance, and other technical restrictions.
Table 3 shows nodal generation capacity in detail.14

14

The distribution of the total capacity among the different nodes on Belgium and the Netherlands is in line with
original COMPETES data used in Neuhoff et al. (2005).
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Table 2: Variable generation costs and available capacity
Technology

Variable generation
costs in €/MWh

Nuclear
Lignite
Hard coal
CCGT
Gas turbine
Oil
Hydro
Wind

Overall available
capacity in MW
9
29
35
43
65
72
0
0

64,858
15,120
35,064
16,358
16,286
12,584
9,841
29,790

Table 3: Generation capacity at different nodes in MW
Nuclear

Lignite

Hard
coal

CCGT

Gas
turbine

Oil

Hydro

Wind

Overall

GER
F
BE1
BE2
NL1
NL2
NL3

14,750
45,547
2,976
1,218
236
47
83

15,120
0
0
0
0
0
0

19,800
10,440
1,226
502
1,994
400
702

8,024
748
1,667
683
3,372
677
1,187

7,480
4,522
482
198
2,321
466
817

5,576
2,312
1,040
426
2,080
418
732

1,403
8,394
32
13
0
0
0

23,895
3,422
162
162
716
716
716

96,048
75,385
7,586
3,201
10,720
2,724
4,238

Overall

64,858

15,120

35,064

16,358

16,286

12,584

9,841

29,790

199,902

Demand is modeled on an hourly basis for six representative days of the year. We include both a
weekday and a weekend day for each of three distinctive demand periods: summer (April to
September), winter (November to February) and a shoulder period (March and October). We
extrapolate to the whole year by weighting the six days with suitable factors. Nodal reference demand
levels are derived from hourly data for 2009 (ENTSO-E 2010b). We group hourly ENTSO-E demand
data for the whole year 2009 in six different categories (weekdays and weekend days during summer,
winter, and the shoulder period) and calculate average values for each hour of these six representative
days. As shown in Figure 2, this results in 144 representative hours that adequately represent a whole
year. Likewise, nodal reference prices are calculated based on hourly spot market data for 2009
provided by EEX, EPEX and Belpex (day ahead hourly auctions). Figure 3 shows the resulting
reference price pattern. We assume a price elasticity of demand  of -0.25 at the reference point for all
nodes and all hours.

12

Figure 2: Hourly nodal reference demand

Figure 3: Hourly nodal reference prices

Regarding hourly wind feed-in, we draw on 2009 German data as provided by the four German
TSOs.15 We group hourly feed-in data of the whole year in six representative days. For each group, we
sort the hourly wind values in ascending order and take 24 quantiles. These quantiles are randomly
assigned to the 24 hours of each representative day.16 Figure 4 shows the resulting wind pattern in the
context of overall reference demand. The wind feed-in pattern is completely unrelated to daily demand
fluctuations. In contrast, there is a small seasonal correlation: during winter days, both demand and
wind feed-in is higher than during summer days. Note that demand fluctuates by more than 80 GW,
whereas wind fluctuation is only around 20 GW. It should be noted that the wind pattern shown in

15

Because of a lack of data, we use the German wind feed-in pattern for the other countries, as well.
Sensitivity tests have shown that other random assignments of hourly wind feed-in values lead to very similar
results.
16
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Figure 4 is not intended to resemble real-world wind feed-in during specific hours. Rather, it
represents the characteristics of fluctuating wind generation during each of the representative six days.
Over the 144 hours modeled, many combinations of demand and wind generation occur, such as high
wind / low demand or low wind / high demand. Overall, this approach captures the essentials of realworld wind power variability very well. Yet taking quantiles necessarily leads to an underrepresentation of hours with extremely high wind feed-in.

Figure 4: Wind generation and overall reference demand

We solve the model for six regulatory periods (t0-t5), i.e., six years. Network expansion decisions can
be made in the first period, but will become effective only in the second period. The social planner in
the WFMax case applies a social discount rate  s of 4% for intertemporal optimization over the
regulatory periods. In the following, we use the same discount rate for all comparisons of welfare
outcomes. In the NoReg, CostReg and HRV cases, the Transco uses a private discount rate  p of 8%
for intertemporal profit maximization. We further assume a return on costs r in the CostReg case of
8%.17
We carry out complementary sensitivity analyses with respect to network extension costs, wind feedin and discount rates. In the baseline, we use extension costs of 500 € per MW and km. This number

17

Additional model runs with returns on costs higher than 8% show that results hardly differ. There are two
reasons for this finding: (i) we do not allow the Transco to increase line capacities beyond the levels of the
welfare-maximizing benchmark; (ii) additional profits related to cost-regulation are small compared to related
losses in congestion rents.
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reflects an average value for upgrading existing lines and building new lines from scratch.18 In
sensitivity analyses, we test the effect of different cost estimates of 250 and 1000 € per MW and km.
Regarding wind feed-in, wind fluctuations are small compared to demand fluctuations in the baseline.
We test the implications of much-increased wind fluctuations, assuming that the available wind
capacity in all nodes quadruples. In this case, wind fluctuations have roughly the same magnitude as
demand fluctuations. We also carry out a sensitivity analysis with respect to discount rates, such that

 s =  p = r = 4%. This allows separating the effects of different social and private discount rates when
comparing the outcomes incentive regulation and the welfare optimal benchmark. We also present the
model outcomes for a simplified static case, in which we assume average yearly demand levels, prices
and wind generation instead of hourly values. This case connects to previous literature on impacts of
simplification and resulting welfare losses (e.g., Birge, 1982, and Munoz et al., 2013). We show that
the relative performance of incentive regulation is distorted in case of model simplifications.

5 Results
5.1 Baseline assumptions
Figure 5 shows the locations and the levels of overall line extensions in the final period (t5) for all
regulatory approaches. In the welfare-maximizing benchmark, there are major extensions at the border
between France and Belgium (lines 13 to 15) as well as between the Netherlands and Belgium (lines
10 and 11). Moreover, there are noticeable line investments between Germany and France (lines 5 and
19), as well as between Germany and the Netherlands (line 4). These transmission investments are a
consequence of the assumed initial levels of congestion. We illustrate this with a simple calculation,
drawing on average values. The average hourly price difference between France and Belgium in the
initial regulatory period is nearly €16 per MWh, corresponding to yearly arbitrage revenues of around
€137.000 per MW of line capacity. This very large value is largely explained by substantial price
differences during summer days (see below).19 Assuming line extension costs of €500 per MW and
km, average annualized extension costs for the lines between France and Belgium are only around

18

For actual extension cost assumptions approved by the German regulator, see 50Hertz et al. (2012), Appendix
9.3.
19
We use appropriate weights for winter, summer and shoulder days, distinguishing weekdays and weekends.
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€5000 per MW, resulting in a very large marginal benefit of network expansion of around €132,000
per MW. This explains the substantial investments in lines 13-15.20

Figure 5: Line extension results (final period)

HRV regulation also incentivizes investments into these lines, although expansion levels are generally
a little lower compared to WFMax because of the dynamics in the two-part tariff scheme. Under both
NoReg and CostReg, investments are much lower as the Transco tries to preserve as much congestion
rent as possible. Under NoReg, the Transco increases the capacity of some lines to a small extent, such
that increasing power flows generate additional congestion rents; however, it has an incentive not to
expand further, as this would smooth nodal price differences too much. Cost-based regulation also
leads to low expansion levels, because higher investments would result in congestion rent losses that
outweighed the return on investment costs paid to the Transco. Under CostReg, the Transco
accordingly invests primarily in such lines that lead to relatively small congestion rent losses, such as
lines 9 and 14.
Figure 6 shows the time path of extension for the different cases. In the welfare-maximizing
benchmark, all line extensions take place during the first period, as delaying investments would
diminish the benefits of extension measures. In the NoReg and CostReg cases, this is also the case,

20

We accordingly calculate network expansion benefits of around €77,000 per MW between Germany and
France, €72,000 per MW between Germany and the Netherlands, and €17,000 per MW between the Netherlands
and Belgium. Note that these are indicative values that do not reflect loop flows in the system. Moreover, the
marginal benefit of line extension substantially decreases with increasing investments because nodal price
differences are levelled.
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although overall investments are much lower. In contrast, HRV regulation leads to incremental
upgrades in each regulatory period.21 This result is driven by the yearly rebalancing of the variable and
fixed parts of the two-part tariff according to equation (12). Accordingly, the welfare benefits of HRV
regulation largely materialize towards the end of the considered period.

Figure 6: Time path of overall network extension

Figure 7 indicates hourly nodal prices before network extension for the six representative days.22
Prices are generally highest in Belgium and the Netherlands, but lowest in France due to the low
marginal costs of the French nuclear power fleet. Price differences, which indicate network
congestion, are particularly large during summer, when demand is low. Figure 8 indicates how prices
converge after network expansion in the welfare-optimal benchmark and in the regulatory cases. Price
differences vanish almost completely in WFMax due to optimal network investments. Only during
summer off-peak hours with relatively low demand, price convergence is not perfect, as the costs of
additional line expansion would outweigh the benefits of remaining congestion relief for these periods.
Drivers for price convergence are both changing power flows due to additional network capacities and
changing power generation at all nodes. In particular, French exports of cheap base load power

21

Note that we allow for continuous line extension. In the real world, line investments are lumpy. Accounting
for indivisibilities may lead to different HRV results. Finding optimal solutions of discretely constrained MPECs,
however, would be extremely challenging. Notwithstanding, Rosellón et al. (2012) suggest that lumpiness
should not stand in the way of applying price-cap incentive mechanisms to real-world transmission expansion.
22
For Belgium and the Netherlands, average values are provided.
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increase after network extension, whereas Belgium and the Netherlands replace domestic power
generation with imports. Germany’s power imports increase during summer off-peak periods, while it
exports more power in the winter. Overall, German power generation and exports increase slightly.
HRV regulation also results in strong price convergence in the final period; due to somewhat lower
investments, price convergence is slightly less perfect than in the social welfare optimum. In contrast,
the low investment levels of both NoReg and CostReg lead to much lower price convergence
particularly during off-peak periods.

Figure 7: Hourly nodal prices before network extension

Figure 8: Price convergence after extension (final period)
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Naturally, these extension-related changes in power generation, line flows, and nodal prices also have
welfare implications. Table 4 summarizes cumulative welfare outcomes over all six modelled periods
(t0-t5). It indicates cumulative differences to the case without extension (NoExtension) for the welfareoptimal benchmark and the different regulatory approaches, i.e., the welfare gains of network
extension. Social welfare is the sum of power producer, consumer, and congestion rents minus
network extension costs, which are provided with a negative sign. These values are calculated with the
social discount rate. In contrast, Transco profits and the cumulative fixed tariff parts are calculated
using the private discount rate.23 In all modeled cases, network expansion increases social welfare
compared to the case without expansion. In the welfare-maximizing benchmark (WFMax), social
welfare increases by around €2.4 billion over the five regulatory periods due to network expansion.
However, there is a much larger distributional effect: power producer rents are greatly increased, while
consumer rents decrease. Congestion rents (and Transco profits) also decrease due to network
investments. The distributional effect can be explained by the fact that larger transmission capacities
increase French and – to a lower extent also German – exports, such that average prices increase in
these countries.24 Accordingly, consumer rents in Germany and France decrease while consumers in
Belgium and the Netherlands benefit from network expansion (Table 5). As electricity consumption is
much larger in Germany and France than in Belgium and the Netherlands, overall consumer rent
decreases.
Table 4: Welfare results (baseline): Differences to case without extension in bn €

WFMax
NoReg
CostReg
HRV

Social
welfare

Producer
rent

Consumer
rent

Congestion
rent

Extension
costs

Transco
profit

+2.43
+0.96
+1.06
+2.00

+10.55
+1.79
+2.21
+6.35

-5.96
-1.20
-1.51
-3.54

-1.76
+0.43
+0.45
-0.56

-0.41
-0.06
-0.09
-0.24

-1.95
+0.33
+0.41
+1.39

Fixed
tariff
parts
+0.08
+2.07

Table 5: Consumer rent (baseline): Relative differences to case without extension
Germany

France

Belgium

Netherlands

WFMax

-1%

-5%

+10%

+8%

NoReg
CostReg

+0%

-1%

+3%

+1%

+0%
-1%

-1%
-3%

+3%
+8%

+2%
+6%

HRV
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Strictly speaking, Transco profits are not defined in NoExtension and WFMax, as welfare is maximized in
these cases. However, we interpret congestion rents as Transco profits in these cases.
24
In WFMax, unweighted average prices increase by around 2% in Germany and 16% in France, whereas prices
in Belgium and the Netherlands decrease by 16% and 14%, respectively.
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Comparing social welfare among the different regulatory cases, we find that HRV regulation is closest
to the welfare-maximizing benchmark with an extension-related gain of €2 billion. In contrast, both
NoReg and CostReg lead to much lower welfare gains of extension of only around €1 billion.
Accordingly, the distributive effects on power producers and consumers are also large under HRV
regulation compared to the other alternatives.
As a consequence of optimal network investments, congestion rents are lowest in WFMax. Congestion
relief is smaller under HRV, mainly because nearly-optimal line investments are only achieved in later
periods. In contrast, congestion rents increase under both NoReg and CostReg. This is because the
moderate line investments carried out by the Transco in these cases increase trade, which outweighs
decreasing price differences between two congested nodes. In contrast, the HRV mechanism does not
give the Transco an incentive to expand the network such that congestion is increased, but promotes
higher investments through the fixed part of the tariff. Accordingly, HRV regulation better aligns the
Transco’s incentives with social welfare objectives compared to NoReg and CostReg.
It can be observed that the rebalancing of the two tariff parts favors the fixed tariff part as determined
by equation (12), such that Transco profits are highest in the HRV case. The fixed part is very large
compared to both extension costs and the Transco’s congestion rent losses. Although we do not focus
on distributive issues in this context, our results indicate that the fixed part should be paid for by
power generators, not by consumers.

5.2 Different extension costs
All results in section 5.1 have been calculated with extension costs of 500 €/(MW*km). This number
reflects an intermediate value for upgrading existing lines and building new lines from scratch. We
determine the robustness of results in case of different cost numbers of 250 and 1000 €/(MW*km).
The first number may be associated with low-costs upgrades of existing lines, while the latter reflects
building mostly new lines from scratch. Figure 9 shows that overall extension levels generally
decrease with increasing costs. Yet the relative performance of the three regulatory approaches does
not change. Likewise, relative social welfare outcomes prove to be very robust (compare Figure 11).
With increasing extension costs, HRV results improve slightly relative to the other modeled
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alternatives. Interestingly, the fixed tariff part under HRV regulation does not increase with increasing
extension costs, but slightly decreases. Nonetheless, the fixed part is still substantially larger than
extension costs even in the case with 1000 €/(MW*km). Accordingly, our conclusions on the relative
performance of HRV regulation are not sensitive to extension cost assumptions.

Figure 9: Overall network extension for different cost assumptions

5.3 Increased wind capacity
In the baseline run, wind power reflects the capacity levels of the year 2009. Accordingly, wind
variability is small compared to demand fluctuations. We now test the implications of much higher
wind capacity, assuming that the available wind capacity in all nodes quadruples. In this case, wind
fluctuations in the system have roughly the same magnitude as demand fluctuations. By multiplying
all wind feed-in with the factor 4, we implicitly assume that wind capacity is still unevenly distributed
as in the baseline between the countries, with the largest part being located in Germany. This gives
rise to increasing network congestion. We find that HRV regulation is able to promote additional grid
extension required for wind integration. At the same time, the welfare results discussed above are
robust.
Figure 10 indicates the differences in line extension between the baseline and the case with increased
wind power. It shows that increasing wind capacity generally increases the optimal amount of overall
network investments because of higher (temporary) congestion. In particular, the cross-border lines
between Germany and the Netherlands (lines 1 and 4) and – to a smaller extent – between Germany
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and France (lines 5 and 19) are expanded in the welfare-maximizing benchmark. This is because
increasing German wind capacity substantially reduces prices, resulting in additional exports from
Germany.

Figure 10: Line extension differences between baseline and the case with increased wind capacity (final
period)

Regarding welfare outcomes, we find that additional capacities of unevenly dispersed wind power
increase the social welfare gain of network extension in WFMax compared to the baseline, as there is
more congestion to be relieved. The relative performance of the regulatory alternatives, however,
hardly changes (Table 6). We thus conclude that HRV regulation may lead to desirable network
extension even in case of fundamental changes in the generation mix.
Table 6: Welfare results (increased wind capacity): Differences to case without extension in bn €

WFMax
NoReg
CostReg
HRV

Social
welfare

Producer
rent

Consumer
rent

Congestion
rent

Extension
costs

Transco
profit

+3.19
+1.65
+1.68
+2.47

+6.47
+1.75
+1.85
+4.10

-0.87
-0.51
-0.58
-0.93

-1.95
+0.57
+0.57
-0.34

-0.47
-0.16
-0.16
-0.36

-2.17
+0.37
+0.53
+1.74

Fixed
tariff
parts
+0.16
+2.33

In the context of German renewable expansion, the question of how net transfers of power from
Germany to other countries change with network upgrades arises. Under baseline assumptions, yearly
German exports increase by around 6 TWh due to transmission extension. In contrast, network
upgrades allow Germany to scale up yearly exports by around 35 TWh in the case with increased wind
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capacity. This value relates to overall wind generation in Germany of 153 TWh in the same scenario.
Accordingly, additional wind power mainly substitutes for thermal generation in Germany, which is
here assumed to be perfectly flexible. Considering actual flexibility restrictions of real-world power
plants, it is conceivable that Germany passes challenges related to the variability of wind generation
on to neighboring countries to some extent.

5.4 Equal social and private discount rates
Finally, we test the effects of different social and private discount rates on model outcomes. In the
baseline, we assume a social discount rate of 4% for the social planner in WFMax, and a private
discount rate for the Transco of 8% in the regulatory cases. While such parameters appear to be
realistic, the difference of social and private discount rates may distort the comparison of WFMax and
the regulatory cases. We thus carry out a sensitivity analysis with  s =  p = 4%. The return on costs in
the CostReg case also takes on the value r = 4%. Table 7 shows that relative welfare results are robust.
Table 7: Welfare results (equal discount rates): Differences to case without extension in bn €

WFMax
NoReg
CostReg
HRV

Social
welfare

Producer
rent

Consumer
rent

Congestion
rent

Extension
costs

Transco
profit

+2.43
+0.94
+1.36
+2.00

+10.55
+1.66
+3.16
+6.37

-5.96
-1.10
-2.00
-3.58

-1.76
+0.43
+0.35
-0.55

-0.41
-0.05
-0.15
-0.24

-2.17
+0.37
+0.35
+1.56

Fixed
tariff
parts
+0.16
+2.36

Figure 11 provides a summary of extension-related social welfare gains in all modeled cases relative
to the respective welfare-maximizing benchmark (WFMax = 100%). We find that relative welfare
outcomes are robust over all model runs. HRV regulation is always closest to the welfare optimum. In
particular, HRV always achieves at least 80% of the socially optimal welfare gains. In contrast, both
NoReg and CostReg lead to much lower welfare gains. We expect the benefits of HRV regulation to be
even larger if more regulatory periods were included, as the TSO’s rebalancing of fixed and variable
tariff parts over time leads to incremental line upgrades, such that more congestion is relieved in later
periods.
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Figure 11: Social welfare gain of extension compared to WFMax for different model runs

5.5 The drawback of using a simplified model
In contrast to previous numerical analyses, our model includes an hourly time resolution as well as
varying levels of demand and wind-power feed-in. For example, Hogan et al. (2010), Rosellón et
al. (2011 and 2012), and Ruiz and Rosellón (2012) use static models, assuming constant demand for
the whole regulatory period. We connect to this literature by analyzing a static case. We calculate the
error from using such a simplified model compared to the model discussed in section 5, which is
assumed to perfectly represent the real world. We find that simplifying model assumptions
substantially distort results.
To do so, we calculate weighted average nodal reference demand and prices from the hourly values
provided in Figure 2 and Figure 3. Likewise, we use a weighted average wind utilization factor of
0.172, based on quarter-hourly feed-in data provided by German TSOs for 2009. Accordingly, yearly
reference demand and wind feed-in is exactly the same in the baseline and in the simplified model. To
evaluate the difference between the simplified and the correct model, we first solve the simplified
model. Afterwards, we run the baseline model again, fixing the optimal solutions of the transmission
decision variables at their values from the simplified model.25 Technically, only the lower level
problem has to be solved again, as the extension variables of the upper level are fixed.
In the welfare-maximizing benchmark, major line extensions only take place at the borders between
France and Belgium (lines 13 and 15) as well as between the Netherlands and Belgium (lines 10 and
11). Additionally, there are some minor investments between Germany and the Netherlands (line 4).

25

This approach is comparable to Birge’s determination of the value of a stochastic solution (Birge, 1982).
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Most of these investments are, however, much lower than the respective ones in the baseline. This is
indicated by Figure 12, which shows how locations and levels of line extensions in the simplified
model differ from the baseline case. Moreover, extensions between France and Germany, which are
substantial in the baseline, are missing completely. The reason for this finding is that the simplified
case neglects congestion both in (summer) off-peak periods, in which prices in France are lowest, and
in (winter) peak periods, in which German generators supply some of the French peak demand.
Interestingly, some line investments are higher compared to the baseline under both NoReg and
CostReg. This is because the price-smoothing effect of such network extensions during hours with the
highest congestion rents is under-estimated when only one representative average hour is considered.
Simplifying assumptions accordingly lead to a distorted picture of network congestion and expansion
requirements.

Figure 12: Line extension differences between the simplified model and the baseline (final period)

Welfare results also differ substantially from the baseline if the extension results of the simplified
model are used (Table 8). Underestimated peak and off-peak congestion levels lead to sub-optimal
network expansion, such that the welfare gain of network extension in WFMax is lower than in the
baseline (compare Table 4). At the same time, the distributive impacts of line extensions on power
producers and consumers are underestimated. The main reason for this finding is that French
consumers lose less from network expansion due to lower export opportunities. Regarding welfare
outcomes, the simplified case draws a distorted picture of the relative performance of different
regulatory approaches. Importantly, HRV regulation is no longer closest to WFMax because of under-
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estimated network extension. The social welfare gains under both NoReg and CostReg, in contrast, are
higher compared to the one under HRV regulation because of over-estimated investments. The
differences between the baseline model and the simplified model are of the same order of magnitude
as the differences between different regulatory approaches in the correctly specified (baseline) model.
Table 8: Welfare results (simplified case): Differences to case without extension in bn €

WFMax
NoReg
CostReg
HRV

Social
welfare

Producer
rent

Consumer
rent

Congestion
rent

Extension
costs

Transco
profit

+1.90
+1.65
+1.67
+1.48

+6.29
+4.12
+4.42
+4.42

-3.61
-2.11
-2.31
-2.26

-1.01
-0.23
-0.28
-0.53

-0.21
-0.13
-0.17
-0.15

-1.10
-0.33
-0.24
+0.73

Fixed
tariff
parts
+0.16
+1.13

Given these findings, we conclude that using realistic representations of demand and wind power
fluctuations has important implications for modeling transmission network expansion requirements
and for assessing the relative performance of different regulatory approaches. Looking at our
numerical example, simplifying model assumptions may cause regulators to under-estimate the
benefits of incentive regulation and favor sub-optimal regulatory regimes.

6 Conclusions
We study the performance of different regulatory regimes for transmission network expansion in the
light of realistic demand patterns and variable wind generation by applying them to a power flow
model of the Western European transmission network. In contrast to earlier research, we explicitly
include an hourly time resolution, fluctuating demand, and variable wind power. All of this
substantially increases the real-world applicability of the model. In doing so, we also adapt the HRV
model so as to incorporate the peculiarities of systems with large shares of renewable energy sources,
especially regarding wind power. Mathematically, the problem is formulated as an MPEC model
(mathematical problem with equilibrium constraints) and solved using an elaborate routine with
numerous starting points.
Drawing on realistic demand levels, reference prices, and generation capacities, we show that network
extension in Western Europe relieves existing congestion and thus increases social welfare.
Comparing different regulatory approaches, we find that HRV regulation leads to extension and
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welfare outcomes close to the social optimum. HRV’s welfare outcomes are far superior to the
modelled alternatives of cost-based regulation (CostReg) and an approach without additional
investment incentives (NoReg). This result is robust over all modelled cases. NoReg leads to inferior
welfare results because the Transco finds only small line extensions profitable. Under cost-based
regulation, some of the less congested lines are thoroughly expanded, but there are substantial underinvestments for the most congested ones. In contrast, the HRV-mechanism provides the Transco with
incentives to expand the network such that congestion is largely relieved in the final period. Thus, the
Transco’s incentives are aligned with social welfare objectives.
First, we suggest some methodological conclusions. Comparing our analysis with previous research,
we infer that including realistic assumptions increases the real-world applicability of modeling results.
Evaluating the extension plans from a simplified model with average levels of load and wind power
under actual fluctuations of load and wind, we find that simplifications severely distort the relative
performance of different regulatory regimes. Accordingly, the benefits of incentive regulation can only
be assessed properly when fluctuations in demand and wind power are considered.
We also suggest some policy-related conclusions. Given our numerical results, we cannot expect a
Transco in Western Europe to invest properly in transmission lines without being provided additional
incentives. Accordingly, the modeled NoReg approach is not a preferable option for policy makers.
Likewise, cost-based regulation following our CostReg approach is not promising, as it does not
provide sufficient incentives for the Transco to invest in the most congested lines. In addition, costbased regulation requires the regulator to obtain substantial knowledge on network congestion, in
order to determine which lines may be extended up to what levels. In contrast, HRV regulation leaves
extension decisions completely to the profit-maximizing Transco, while at the same time leading to
nearly optimal welfare outcomes. Moreover, we show that its beneficial welfare properties are
extremely robust against fluctuations of demand and wind feed-in, as well as against changes of
important model parameters. In the light of future network expansion requirements in the context of
large-scale renewable integration, these properties of HRV may become particularly attractive.
It should be noted that that the welfare properties of HRV regulation come along with a relatively large
fixed tariff part. The fixed part constitutes a transfer from the Transco’s variable income (congestion
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rents) to its fixed income. Our analysis shows that the required fixed part may become substantially
larger than congestion rent losses, such that overall Transco profit increases. Accordingly, a Transco
may receive a major part of extension-related welfare gains. This constitutes a redistribution of
extensions-related gains in producer and consumer rents toward the Transco. Other Pareto-optimal
distributions may be achieved through a distributive-justice criterion, and implemented, for instance,
through a proper choice of the weight of profits in the welfare criterion. Likewise, weights would have
to be adjusted to compensate for changes in Transco rents related to an exogenous transformation of
the power plant fleet (Egerer et al. 2015). These topics are subject to future research. Last, but not
least, HRV regulation would have to be reconciled with the political reality of both centralized network
extension planning and incentive regulation for network operation, as currently carried out in the
countries that are included in our model analysis. For the time being, policy makers in Europe may
resort to theoretically less efficient, but practically enforceable approaches, at least regarding those
transmission projects that are most urgently required for the integration of renewable energy. Our
analyses still provide benchmarks for efficient price signals for investment.
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7 Appendix
7.1 ISO’s constrained welfare maximization problem
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7.2 Solution routine
Due to the non-convex nature of our MPEC problem, the NLPEC solver only generates local optima
instead of unique global optima. We aim to get as closely as possible to global optima by using
numerous different starting points. This could in principle be implemented by using randomized
starting points. This, however, is not an option as the solver fails to find feasible solutions – let alone
optimal ones – from most random starting points we have tried. Instead, we develop a routine of i)
finding feasible starting points, and ii) searching for optima starting from these feasible points. First,
we solve all regulatory cases – as well as the welfare-maximizing benchmark – with the extension
variable fixed to zero. This leads to feasible solutions in all cases; afterwards, we release the extension
variable and solve again. Second, we solve all regulatory cases using the welfare-optimal solution as a
starting point. Third, we iteratively solve all regulatory cases one after another several times, each
starting from the solution of the previous one. In all cases, we solve the same problem three times in a
row, as we have found the CONOPT solver to find slightly better solutions if the solve is repeated in
some instances. The solution point file is updated every time a better solution is found. After several
iterations, we find convergence to some characteristic local optima, which are then considered to be
global optima.
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For the HRV case, the first option (starting with fixed extension and relaxing the extension variable
afterwards) always leads to the best results. In contrast, the NoReg and CostReg cases often improve
substantially during the second and third steps of our search routine. Due to the size of the numerical
problem and the extensive search process, finding good solutions for all regulatory cases requires
more than 600 hours of computation time even on a high-performance computer. Some sensitivities
take even longer.
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